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ABSTRACT

This paper reports modeling of gas field produc-
tion and CO, injection from a theoretical reser-
voir based on characteristics of the P18 gas field
in the Dutch offshore, which consists of four
geological deposits with different petrophysical
properties. We especially focus on the brine
flow during and after exploitation of the
reservoir, which affects salt precipitation and
dissolution in the near-well area. We first
computed the water saturation (S,,) with depth,
in static equilibrium with a free water level
(FWL) at the bottom of the reservoir. We then
computed production of the gas field, predicting
a very low brine production and mobility,
without salt precipitation. Subsequently, injec-
tion of dry CO, leads to dry-out and salt precip-
itation in the near well zone and a maximum
permeability  reduction of 24%. After
abandonment, brine flows towards the well,
resulting in redissolution of precipitated salt,
leading to salt saturated brine in the near-well
bore area. After 1,000 years, it is predicted that
supersaturated brine is concentrated in the lower
part of the reservoir, where solid salt still
remains. The computed long-term effects of
brine mobility could influence predictions of
well-cement degradation and well-abandonment
strategies like intentional clogging.

INTRODUCTION

Depleted gas reservoirs are potential sinks for
CO, in The Netherlands, thereby reducing
atmospheric CO, (Benson and Cook, 2005). The
offshore P18 gas field in the North Sea is a very
good candidate for future CO, injection, because
of its location (close to CO, point sources),
infrastructure, and reservoir maturity (Arts et al.,
accepted). Sufficiently high CO, injection rates
are required for making Carbon Capture,

Utilization, and Storage (CCUS) economically
attractive for oil and gas operators, while long-
term integrity of the whole storage complex is
important for license applications. It is therefore
important to understand the behavior of the
reservoir during and after CO, injection.

It is known that salt precipitation can hamper the
productivity in gas producing fields (Kleinitz et
al., 2003) or the injectivity in natural gas storage
aquifers (Lorenz and Miiller, 2003). It is also
predicted that salt precipitation could reduce the
permeability when injecting supercritical CO,
(SC-COy) in saline aquifers (e.g. Pruess and
Miiller, 2009; Miiller et al., 2009; Alkan et al.,
2010; André et al., 2007) and depleted gas fields
(Giorgis et al., 2007). The physical mechanisms
affecting dryout and salt precipitation in saline
aquifers are described by Pruess and Miiller
(2009). Most of these mechanisms also hold for
depleted gas fields, although brine displacement
by SC-CO, away from the well is expected to be
less dominant in depleted gas fields due to the
(lower) brine relative permeability.

Salt precipitation due to water evaporation into
injected dry SC-CO,, followed by -capillary
backflow, is demonstrated both in core plug
experiments (Ott et al., 2011) and in several
modeling studies (e.g., Pruess and Miiller, 2009;
Miiller et al., 2009; Alkan et al., 2010; André et
al., 2007; Giorgis et al., 2007; Ott et al., 2011). It
was found that brine capillary backflow will
have a larger impact when the CO, injection rate
is lower (Pruess and Miiller, 2009), and thus the
injection rate should be high enough to avoid
injectivity problems (Giorgis et al., 2007). It was
also concluded that the saturation gradient and
local salt precipitation are determined by water
evaporation  kinetics. These kinetics are
currently not taken into account in TOUGH2



(and other simulators), as discussed by Ott et al.
(2011). Thus, modeling the precise impact of
capillary backflow during CO, injection carries
uncertainties.

The initial water saturation (Sy) as a function of
reservoir depth also has uncertainties. The S, is
commonly measured during drilling of a well
using a logging tool (Rider, 2006), and depends
on the various petrophysical properties of all
(sandstone) layers and the height above the free
water level. The heterogenic character of reser-
voirs usually makes an accurate description of
the petrohysical properties and S,, very difficult,
but these properties determine the brine mobility
in the reservoir. This mobility is important for
CO, injection, as demonstrated by Giorgis et al.
(2007) showing two cases: mobile and immobile
brine. Long-term brine mobility has received
much less attention than short-term brine mobil-
ity. However, long-term effects could influence
well-cement  degradation and intentional
clogging after well-abandonment (Wasch et al.,
2012).

The aim of this work is to simulate effects in the
near-well zone of a theoretical reservoir, based
on characteristics of the P18 gas field in the
Dutch offshore. We focus on the effect of gas
production and CO; injection on brine flow and
salt precipitation.

METHODS

Model setup

The model consists of four geological layers
with varying petrophysical properties, as deter-
mined from well logs (Table 1). In addition, the
salt mass fraction (Xnac) is 0.1, the reservoir
temperature (T) is 90°C, and the initial (average)
gas pressure (Pgss,i) is 375 bar. Figure 1 shows a
2D window of the radial model setup.

In the horizontal direction, 50 grid cells are
imposed per layer with grid refinement (factor of
1.05) in the vicinity of the well. The model has a
radius of 1,000 m. In the vertical direction, 80
grid cells are imposed with grid refinement
(factor of 1.2) at the upper and lower boundaries
of each deposit. Gas production and CO, injec-
tion were not considered for the VP Formation
(Fm) due to its tight properties (Table 1),

although it was taken into account for computing
the equilibrium brine and gas distribution. The
FWL is located at the bottom of the VP Fm, but
is not considered an active aquifer. This means
that the depth of the FWL does not change upon
production and injection.

Table 1. Petrophysical characteristics of the geologi-
cal deposits in the model: thickness (Az), porosity
(), and permeability (k). The number of vertical

cells per deposit is also given.

Az ¢ k cells
Geological deposit (m) () (mD) (v)
Hardegsen (HD) Fm 26 11 154 10
Upper Dethfurt (UD)Mb 50 9 385 20
Lower Dethfurt (LD)Mb 22 7 30.6 10
Volpriehausen (VP) Fm 113 3 0.21 40

Figure 1. 2D window of the radial model with four
geological layers (Petrasim interface). The
injection well is located at the left side
and does not penetrate the VP Fm.

Capillary pressure and relative permeability

For the capillary pressure and relative
permeability curves, a correlation was used with
the porosity and height above the FWL (Ah=h-
hrw) @s main parameters. The van Genuchten
equations are used to parameterize these curves,
as shown in Figure 2 and Figure 3, respectively.
The parameters used in these equations are
derived from a best fit to the curves used in
other work (Arts et al., accepted).




The relative permeability depends on the rock,
fluids, and thermodynamic conditions (Krevor et
al.,, 2012). It is commonly believed that the
relative permeability is determined by the wetta-
bility of the sandstone. Here it is assumed that
the wettability and therefore relative permeabil-
ity of CH4 and CO, is similar. Hysteresis effects
were not taken into account in this study.

For a two-phase system, the standard output of
the TOUGH2 simulator reports the gas pressure
(Pgas) and the capillary pressure (Pcap). The brine
pressure (Pprine) Can be computed using:

Pprine = Rgas - |Pcap|-

The formula given above shows the absolute
value of P, because its definition depends on
the simulator (in TOUGH2, P, is defined
negative for drainage). In case of static
equilibrium, P, can also be computed using the
difference in brine density (puwine) and gas
density (pgas), the gravitational constant (g), and
Ah:

Pcap(Sw) = (pbrine - pgas)gAh-

P.p as a function of S,, depends on the type of
gas that is present. Scaling of P, can be done
using the dimensionless Leverett J-function
(Leverett, 1941), which is commonly used in the
oil and gas industry:

JGw) = ————

Both J and P, are given as a function of S,,, ¢
is the interfacial tension and 6 is the contact
angle. If we assume that 0 is similar for CO, and

CH,, we can approximate P, co, using Peay cna
by

0b,cO2
o Pcap,CH4 (Sw)a
b,CH4

Pcap,COZ(Sw) =

where G, co. and G, cus are the brine-CO, and
brine-CH, interfacial tensions, respectively. At
high pressure, G,co, is smaller than oy cpna
because of the larger affinity of CO, to water
(Fleury et al., 2010). Reported values of ooz

are on the order of 30 mN/m (Fleury et al., 2010;
Chalbaud et al., 2010; Sacedi and Rezaee, 2012),
while oy cps is on the order of 45 mN/m (Saeedi
and Rezaee, 2012). For this reason, the curves in
Figure 3 are scaled with a factor of 0.667 for
CO;. In this study, it is assumed that o and 0 are
independent of pressure.
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Figure 2. Relative permeability (K) of gas (Kgss)
and liquid (Kq) for the four geological
deposits, used for both CH,-brine and
CO,-brine.
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Figure 3. Capillary pressure (Pcapcra) as a function
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Equilibrium gas and brine saturation

On a geological time scale, upward gas migra-
tion into permeable sandstone layers led to brine
drainage and lowering of the FWL. The brine
that was left behind, due to capillary forces, is
the current water saturation and is usually
measured with a logging tool (Rider, 2006). The
mobility through the VP Fm is relatively low
due to its tight properties. In general, other
impermeable (shale) layers in the more permea-
ble deposits could also have retarded the brine
mobility.

In this study it is assumed that S,, is in hydro-
static equilibrium with the FWL. Below, we
describe the workflow how to compute S, as a
function of depth, using the estimated capillary
pressure (drainage) curves (Figure 3) and
TOUGH2-EWASG (see gas production). The
relative permeability of gas and brine were set to
perfectly mobile brine (K,i;=1 and Kgs=1), for
speeding up the calculations. A dummy layer on
top of the HD Fm is included and serves as a gas
inlet (see below). The dummy layer has a
thickness of 1.0 cm, which is relatively small
compared to the reservoir thickness. In this way
it has a negligible effect on the (computed)
hydrostatic pressure. The capillary pressure of
the dummy layer is set to zero. The three-step
workflow is as follows:

1) Hydrostatic equilibrium: The model given in
Figure 1 is fully gas-saturated with gas and
the average pressure (Pgs=375 bar) is
assigned.  Accordingly, the hydrostatic
pressure is computed by TOUGH2, showing
a linear relation as a function of depth.

2) Brine and gas distribution: The computed
pressure from the previous step is initialized
using the SAVE file. All cells in the layers
are now assigned fully water-saturated,
except the dummy layer. The dummy layer
and the bottom layer are assigned as fixed
(infinitely large volume), the latter to
represent the FWL. Using these constraints,
water can flow out at the bottom of the
reservoir and gas can flow in from the top of
the reservoir. In this way the initial and final
hydrostatic pressure is maintained.

3) Equilibrium check: The final conditions of
the previous step are initialized using the
SAVE file. The dummy layer is removed
and the bottom (FWL) layer is unfixed, to
check whether the conditions are in equilib-
rium without constraints.

The results define the equilibrium brine and gas
saturation before production.

Salt precipitation

Both gas production and CO, injection were
simulated using TOUGH2 modules that can
handle precipitation of solid salt and permeabil-
ity reduction (see below). We used a tubes-in-
series porosity-permeability model (Verma and
Pruess, 1988) with a fractional length of pore
bodies (I'=0.8) and a fraction of original poros-
ity (¢~=0.8) for which k=0. In practice this
means that a salt occupancy of 20% pore volume
completely clogs the formations.

Gas production (TOUGH2-EWASG)

We computed the brine mobility during gas
production to study whether the computed initial
Sw would change. We modeled production from
the upper three geological deposits with
TOUGH2-EWASG (Battistelli et al., 1997),
which  was developed for geothermal
applications. It can handle a three-phase mixture
of water, NaCl, and several non-condensable
gases (including CH,). One disadvantage is that
real gas properties are not properly modeled.
Gas dissolution is described by Henry’s law,
with coefficients that depend on the temperature
and salinity. EWASG also has an enthalpy
limitation (Lorenz and Miiller, 2003), but
isothermal conditions are imposed in this study.
A constant rate of 0.12 Mton/year is used with a
production time of 23.9 years, implying a total
production of 2.88 Mton and a depletion
pressure (Pgepr) Of 26.6 bar. As mentioned above,
the relative permeability (Figure 2) and capillary
pressure (Figure 3) are both used.

CO, injection (TOUGH2-ECO2N)

After gas production, CO; is injected at fixed T
(i.e., 90°C) with a constant rate of 1.01
Mton/year for 11.3 years and thus a total CO,
amount of 11.4 Mton. At a final (average)
pressure of 375 bar, the average density of CO,




(770 kg/m®) is approximately four times higher
than the (ideal) density of CH, (200 kg/m?),
which explains why the injected amount of CO,
is four times larger than the produced amount of
CH, for returning to the initial pressure.

Injection of CO, is carried out with TOUGH2-
ECO2N, which describes two-phase flow in the
H,O-salt-CO, system. Dissolution of CO, in
brine and water evaporation in CO, is described
using equations of state (EOS). ECO2N does not
take into account CH, and it is assumed that all
initial gas consists of CO,. Hence, the distribu-
tion of CO, and CH, in the reservoir is not
modeled. For example, this can be done with
TOUGH2-EOS7c (Oldenburg et al., 2001,
Audigane et al., 2008) and is of special interest
when modeling enhanced gas recovery (EGR).
Modeling of salt precipitation cannot be done
with TOUGH2-EOS7c.

The final conditions after gas production were
initialized using the SAVE file, thereby replac-
ing all CH, gas into CO,. The properties of both
gases are different at the given conditions
(T=90°C, Pgepi=26.6 bar, Xnsci=0.1). However,
the differences we computed are less than 1%,
e.g., CH, and CO, solubility in brine and water
vapor in gas. Modeling the impact of capillary
backflow during CO, injection involves
uncertainties (see introduction). We therefore
assumed immobile brine (K;i=0 and Kg=1)
during continuous CO, injection, thereby
preventing capillary backflow and enhanced salt
precipitation.

Table 2. Overview of computed produced amounts of

gas and liquid
component water methane
phase gas liquid gas diss.
initial (Mton) 0.01 11.79 3.07 0.04
final (Mton) 001 1177 0.21 <0.01
produced (Mton) <0.01 0.02 2.86 0.03
produced (%) 0.8 0.2 931 0931

Long-term effects

After closing the injection well, the simulations
are continued up to 1,000 years. The long-term
effects of brine flow (including capillary flow)
on precipitated salt are computed. Molecular

diffusion was neglected in this study, although
this could influence salt gradients.
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Figure 4. Water saturation (S,) in the gas field
before production. Dashed lines indicate
the residual water (Sy;), as used in the Van
Genuchten relative permeability (Figure
2) and capillary pressure (Figure 3).

RESULTS

Equilibrium water saturation

We followed the scheme mentioned above to
compute Py and P, as a function of depth
using TOUGH2. |Pepl is O at the FWL and
increases with increasing height above the FWL,
up to 17.5 bar at the top of the HD Fm. The
computed P, is directly translated by TOUGH2
into an equilibrium S,, using the curves given in
Figure 3. The Sy, as a function of depth is given
in Figure 4. The S, in the VP Fm is relatively
large, because the deposit has a low porosity and
the FWL is located at the bottom. The S, and
initial S,, decrease with increasing porosity in
the upper parts of the reservoir up to 11% for the
HD Fm (Table 1). As mentioned in the methods
section, the S, is assumed to be similar for both
CH4 and C02

Gas production

Table 2 shows the amounts of water (0.02 Mton)
and methane (2.86 Mton) that are produced
during 24 year of gas production, which
correspond to 0.8% and 93.1% of the initial
amounts present. This means that relatively
small amounts of water are produced, and the
mobility of water is low, owing to the relative
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Figure 5. Pore volume percentage (SS) occupied by
solid salt (top) and Xy (bottom) in the
near-well area, after closing the injection

well.

permeability. Computed water saturations are
0.05 to 0.1 higher than the residual water
saturation (Figure 4), but the corresponding
water mobility is low (K;i;<0.015; Figure 2). In
addition, the maximum computed pressure
drawdown is only a few bars. Generally, the
drawdown depends on operational constraints,
including economics.

Under standard temperature and pressure (NTP)
conditions (i.e., T=15.6°C and P=1 bar) the
densities of CH, and brine are ~0.717 kg/m3 and
1066 kg/m’, respectively. The corresponding
produced volumes are 0.022 Mm® of water and
4330 Mm’® of gas, indicating that a very small
water volume is produced compared to gas
volume. Salt precipitation was not observed,
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near-well area, 1,000 years after closing
the injection well.

most probably due to a relatively low salinity as
compared to other studies involving CH,
(Lorenz and Miiller, 2003).

CO, injection

Water evaporation in the near-well area was
modeled during CO; injection, with salt precip-
itation as a result (Figure 5). The results show
that the dryout radius ranges from 53 m (LD
Mb) to 113 m (HD Fm). Salt precipitation is
modeled from to 2.2% (HD Fm) up to 2.8% (LD
Mb) of the pore volume, corresponding to k-
reductions with 19% and 24%, respectively.
These values depend on the characteristics of the
tubes-in-series model and uncertainties exists.
At the front of the dryout zone, a small zone
with increased salinity up to salt-saturation



(Xnaci=0.272) is predicted. The assumption of
immobile brine prevented imbibition into the
dry-out zone during injection (see Methods).

Long-term effects

After closing the injection well, brine mobility
in the reservoir was modeled, resulting in brine
flow into the dryout zone (Figure 6). After 1,000
years, most of the precipitated salt dissolved,
except for 21 m around the well in the LD Mb at
the bottom of the reservoir. In addition, the
salinity in the whole near-well bore area
increased, but is salt saturated in the LD Mb.
These differences are potentially caused by two
effects. First, the solid salt in the LD Mb is more
concentrated, the dryout zone is smaller, and
dissolution is expected to take more time. The
brine flow rate into the LD Mb should also be
considered. Second, the brine density increases
with increasing salinity, resulting in a gravita-
tional flow. Salt undersaturated brine is flowing
laterally into the near-well bore area in the upper
region of the reservoir (especially in the HD
Fm). Then it becomes heavier and migrates into
the lower parts of the reservoir, where it starts
migration away from the near-well area along
the boundary with the VP Fm. These mecha-
nisms retard the solid salt dissolution in the LD
Mb, compared to other (more shallow) deposits.

Hysteresis in the capillary pressure was not
taken into account, and hence only drainage
curves were used (Figure 3). Wetting of the
dryout zone should have been considered with
an imbibition parameterization. At similar
capillary pressure in reservoir rock, imbibition
usually corresponds to lower S,, as compared to
drainage (Leverett, 1941). For the current study,
this would result in a lower S,, of the dryout
zone and less faster salt dissolution.

CONCLUSIONS

This paper discusses the effect of gas production
and CO, injection on brine flow and salt
precipitation, using characteristics based on the
P18 field in the offshore part of The
Netherlands. We computed the initial S,,
assuming equilibrium on a geological time scale,
showing mobile water. However, the amounts of
production water are relatively small when gas is
produced from the field. No salt precipitation
was observed.

We assumed immobile brine during CO,
injection. The results show dryout and salt
precipitation in the near-well area and larger
amounts of salt in the lower part of the reservoir,
compared to the upper part of the reservoir.
Permeability reductions up to 24% are expected
in the reservoir during CO, injection. Capillary
backflow of brine was allowed after the closing
the well, showing redissolution of salt and
induced gravitational flow in the near-well area.
Occurrence of solid salt is still predicted in the
lower part of the reservoir after 1,000 years, as
well as saturated brine. These effects could
influence predictions of well-cement degrada-
tion and well-abandonment strategies like inten-
tional clogging.
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